Hydrocarbon recovery efficiency can be increased by injecting miscible CO 2 gas in order to displace hydrocarbons towards producing wells. This process of enhanced oil recovery can simultaneously and subsequently be used for CO 2 storage after complete hydrocarbon reservoir depletion. Condensate reservoirs provide possible storage sites, with the additional benefit of enhanced gas recovery through re-pressurization of the reservoir and re-vaporization of the condensate. However a lot more research needs to be done. In order to accurately determine the effect of the injected CO 2 , the compositional simulator CMG-GEM was used. The aim of this paper was to examine the effect of CO 2 injection pressures on condensate recovery and CO 2 storage. We used a tuned Peng and Robinson equation of state to model the interactions of the CO 2 with the hydrocarbons.
Introduction
In recent years there has been a significant increase in the concentration of greenhouse gases in the atmosphere [1] . Reduction of CO 2 through industrial usage is not a long term solution since, at present, the typical lifetime of most of the CO 2 used by industrial processes has storage times of only days to months. The stored carbon is converted back to CO 2 and again released to the atmosphere [2] . Such short time scales do not contribute meaningfully to climate change mitigation. Geologic storage however has been explored and analyzed in detail through the process of hydrocarbon recovery. As a result there is a proper understanding of the characteristics and behavior of these formations. Therefore, these known characteristics can be studied and optimized for CO 2 sequestration.
Condensate reservoirs provide possible storage sites, with the additional benefit of enhanced gas recovery through re-pressurization of the reservoir and re-vaporization of the condensate [3] . The injection of CO 2 will re-vaporize and mobilize condensate in the reservoir. As a condensate reservoir is produced, condensate drops out in the reservoir as the pressure drops below the dew point pressure. As a result of re-pressurization through CO 2 injection, this condensate re-vaporizes and becomes mobile again. Shtepani [3] stated that the properties of depleted gas/condensate reservoirs and of CO 2 are favorable for re-pressurization and enhanced gas recovery processes. This paper analyzed whether the injection pressures, within the limits of the known reservoir fracture pressure, had any significant effects on increasing the condensate recovery whilst optimizing storage efficiency.
According to a case study completed by Zangeneh et al. [4] , injection at the end of production, as a means of EGR, was the best scenario. This scenario resulted in the largest quantity of sequestered CO 2 and the smallest quantity of produced CO 2 . For the simulations performed in this paper, this methodology was implemented and the CO 2 injection was done at the end of primary production. Additionally, due to hysteresis in the relative permeability curves and the residual gas saturation, generally a significant amount of CO 2 gets trapped in the pores as an immobile phase [5, 6] . Hysteresis was taken into account in the models created in this paper.
Trinidad and Tobago is a large producer of hydrocarbons [7] . Along with the production of hydrocarbons, this country has a growing petrochemical sector which emits large quantities of CO 2 yearly [8] . Trinidad and Tobago also has a large number of condensate reservoirs in the Columbus Basin [9, 10] which provide suitable geologic storage options. Although Trinidad and Tobago is a significantly small country, any methodology that can be applied to address the issue of depleting hydrocarbon reserves and increasing greenhouse gases should be pursued. This paper aims to analyze the use of depleting gas condensate reservoirs in Trinidad and Tobago to address these issues. 
Nomenclature

CCE Constant Composition Expansion
Methodology
We used the CMG Reservoir Modeling suite to build the reservoir model and perform all scenarios discussed in this paper. WINPROP, a part of the CMG suite, was used to develop the fluid model. This software was used to fine tune the Peng-Robinson EOS to more accurately match the fluid sample using lab reports which included CCE, CVD and separator experimental test points.
Static Reservoir Model
A simple 2D reservoir model was built. This 2D was 150 ft. wide, 8000 ft. long and 150 ft. thick. For the vertical thickness, 3 layers were used (each being 50 ft. thick) to simulate 3 sandstone flow packages which were analogous to real field data from the Columbus Basin (Fig 1. below) . The table below contains the main properties for each layer (flow package). Below is a list of additional reservoir properties that were inputted into the model. Table 2 below shows the values that were used to generate the relative permeability curves for this model. 
Fluid Properties
The main aim of this paper was to observe and quantify the effects of CO 2 injection pressures on the liquid dropout in condensate reservoirs, thus an accurate fluid model was essential. The table below lists the components and their respective mole percentages for the condensate used in this model. The initial CGR for the reservoir fluid was 125 STB/MMSCF with a dew point pressure of 6025 psi at the reservoir temperature of 256 o F.
Method of Analysis
For this study, numerous scenarios were run in an attempt to analyze the effects of CO 2 injection pressures on liquid dropout and CO 2 storage factors.
In the base petro-physical model, a single producer was placed at one end of the reservoir slab as seen in Fig. 1 above. The well was perforated in all three sand packages and completed with 4 ½" OD tubing to a depth of 13100 ft. with an open hole gravel pack. This well was set to be shut in when a WHP of 1200 psi could no longer be maintained. This was the only constraint used in this model to shut in the well. It should be noted that this well was not cycled i.e. the well was not shut in and re-opened when the WHP of 1200 psi could be maintained again. Once the WHP dropped below 1200 psi, the well was shut in.
This base model was run and the primary production phase of this reservoir slab was analyzed. The total recoveries and remaining in place hydrocarbons were analyzed along with pressures and condensate dropout in the reservoir. The life span of the production period was expected to be short since this is only a single slice of a reservoir, thus the pressures would be depleted quickly. The models in this paper are analytical models aimed specifically at investigating any effects of CO 2 injection pressures.
At the end of the primary production phase, the injector well was placed at the opposite end of the reservoir model as seen in Fig. 1 above. This set up placed the injector 8000 ft. from the producer. The injector well was perforated only in the deepest sand package with the lowest permeability in an attempt to reduce early breakthrough. This well was completed with 4 ½" OD tubing to a depth of 13200 ft. CO 2 was injected for a total of 10 years. During this time, the producer was opened and allowed to flow again with the same WHP constraint of 1200 psi. Again, once this WHP could no longer be maintained, the well was shut in.
The injection of CO 2 was done at varying pressures ranging from 2500 psi to 5000 psi at the wellhead. The lower end of the range of pressures was chosen based on the average reservoir pressure at the time of injection which was approximately 2300 psi.
The injector and the producer (if still open) were shut in at the end of the 10 year injection period. The model was run for a further 990 years to determine the long term movement of the trapped CO 2 within the reservoir, bringing the total time CO 2 interacted with the reservoir to 1000 years. Over time, the volumes of CO 2 in the supercritical phase, trapped by hysteresis and dissolved in the formation water were recorded.
Results and Discussion
Based on the methodology described above, Table 4 below shows the results for the production and total recoveries from the reservoir model for the various scenarios. It should be noted that the well was choked to produce at a fixed rate of 5 MMSCF/day. This was done to observe the change in condensate production at a constant wet gas rate.
At the end of primary production (700 days), the oil recovery values for condensate and gas were 16.7% and 38.6% respectively. The average reservoir pressure when the producer was shut in was 2300 psi. Table 4 , it can be seen that injection of CO 2 incrementally increased the recovery of condensate and gas from the reservoir. The incremental increase is small due to the small size of the reservoir section. This effect will be observed more clearly in a full scale 3D model. However, this paper is mainly aimed at observing the general effect of the CO 2 . These results show that the CO 2 injection re-pressurized the reservoir and allowed some of the liquid dropout to re-vaporize and be produced at surface. This change in condensate saturation in the reservoir can be observed in Figures 2 and 3 below. These figures show the condensate saturation and pressure before and during injection of CO 2 . It can be seen that as the CO 2 re-pressurized parts of the reservoir, the condensate saturation decreased implying the condensate was re-vaporized and mobilized. This was reflected in the CGRs observed after injection (Section 3.1 below) Additionally, it was observed that at an injection pressure of 5000 psi, the incremental increase in gas and condensate recovery decreased. This trend of decreasing recovery was noted at injection pressures above 5000 psi. These additional results were not shown as they were not critical to this paper. As a result of the re-pressurization, the gas being pushed to the producer had a higher saturation of condensate. Higher injection pressures led to incremental increases in condensate saturation in the gas. However, when this highly saturated gas entered the wellbore, there was significant liquid dropout in the tubing and the producer suffered from the liquid loading effect. At this point, the gas flow rate was not sufficient to lift the liquid column in the tubing and the well shut in. This led to shorter incremental production times as seen in Table 4 and hence less overall recovery. This effect can be minimized in a full scale 3D model by increasing the choke percentage to allow higher gas flow rates. 
From the injection results in
Condensate Dropout Results
At the start of the primary production phase, the producing CGR was 125 STB/MMSCF. This dropped to 16 STB/MMSCF when the well was shut in. Table 5 below shows the increase in CGR when the producer was opened during the CO 2 injection phase. It can be clearly seen that the injection of CO 2 improved the recovery of condensate from the reservoir. To further observe the effects of this, a full scale model can be developed to implement the process.
CO 2 Storage Results
The table below presents the storage results for the various scenarios. It breaks down the stored CO 2 into volumes that are in the supercritical phase, trapped by hysteresis and dissolved in the formation water. From the results, it can be seen that very little of the injected CO 2 was produced. This has been attributed to:
The relatively small volumes of CO 2 injected The low permeability of the layer in which the CO 2 was injected The large distance between the injector and the producer The early shut in of the producer due to liquid loading of the well Table 7 below presents the percentage breakdown of the stored CO 2 in the reservoir. From this it can be seen that the majority of the trapped CO 2 remains in the supercritical phase in the reservoir. The most notable point from this table is that as injection pressure increased, the volume of CO 2 trapped in the reservoir by hysteresis increased significantly. 
Conclusions
The aim of this paper was to examine the effect of CO 2 injection pressures on condensate recovery and CO 2 storage factors. Based on the various CO 2 scenarios run, it was concluded that:
The injection of CO 2 had a positive effect on the re-vaporization of condensate dropout in the reservoir. Increasing the injection pressure yielded higher condensate recoveries up to a certain value (as high as 16%). At this point, the producer experienced liquid loading issues. This can be further analyzed in subsequent models. More than 90% of the injected CO 2 remained in the reservoir for this specific model. A large percentage of this trapped CO 2 remained in the supercritical phase.
Increasing the injection pressure increased the percentage of CO 2 trapped in the reservoir by hysteresis (as high as 30%). This increased injection pressure had negligible effects on the CO 2 dissolved in the formation water.
The results from these simulation studies show that the use of CO 2 to increase condensate recovery from the reservoir is feasible with the additional benefit of CO 2 sequestration. This study can now be further analyzed and developed to fully explore the potential and benefits of CO 2 injection into condensate reservoirs.
